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Terms of Reference

Part 1 of the consultancy in the determination of a transfer price for natural gas feedstock used in the conversion of gas to liquid provided an assessment of 6 approaches. The outcome showed that none of the approaches examined could be expected to provide a clear unambiguous answer which reflects the allocation of economic rents between the up and downstream phases of an integrated project.

The Study will address the problem by using a number of methods, or “basket” of approaches, rather than one short listed approach. The outcome of this method will then be a range of estimated gas feedstock prices. This range will be the basis for deriving a coefficient (or “x” factor) which, when applied to the realised LNG price, will derive a unique gas transfer price for each project.

To achieve the above objective the consultant will:

· Derive a gas transfer price using a “basket” of approaches to obtain a range of outcomes. This will then form the basis of setting an ”x” factor to be applied to the realised LNG price.

· Choose three or four approaches, including, but not necessarily limited to those addressed in Part 1, for the ‘basket’. These must be based on readily available and verifiable date from independent sources and be applicable to different geographic centres in Australia and over a range of technological developments that can be expected to have significant impacts on costs. Example of approaches to be applied could include:

· a netback approach

· an apportionment approach

· a cost plus approach

· a shadow price based on a readily available representative domestic gas prices

· Each approach should incorporate all relevant cost centres required to achieve its objective.

· The basis for each element of any formula applied should be fully described and sources of information, including alternatives if applicable, used to obtain required data.

· If a netback component is used then consideration must be given to:

· a mechanism for maintaining a residual capital allowance if the processing plant continues to operate beyond the expected life of the capital component.

· how the capital cost base should be allocated where there is shared use

· the treatment of decommissioning costs must be dealt with in the study.

· Any netback or cost plus approach used should incorporate an allowance that adequately reflects the financial, technical, and operating risks appropriate to the activity under consideration.

· If an apportionment approach is used consideration must be given to ensure that the formula is capable of addressing projects with different product mixes

· Each approach must be “reality checked” against a set of likely gas to liquids projects to ensure that it produces outcomes that fall within a realistic range and must be applicable across a range of project configurations and costs

· during this phase of the study the consultant will be required to work in close conjunction with a DPIE officer to assess the impact of the options under consideration on the economics of a range of potential integrated gas to liquids projects.

· Advice is also required on how best to use the range of prices produced by the basket of approaches to determine an “x” factor for each new gas to liquids project. Factors to consider include:

· whether the GTP outcome should be negotiated within the range of derived prices or whether an arithmetic mean or median or weighted price should be used

· The consultancy must address the issue of reviews of the “x” factor including:

· whether the “x” factor should be set for the life of the project, or reviewed at some point, and what the implications of such a review would be for investor uncertainty;

· consideration needs to be given in this regard to the mechanism for incorporating new capital expenditure.

The consultancy is to provide a detailed description, on a step by step basis, of the method it advocates for determining the “x” factor in its final report.

Executive Summary

The purpose of this study is to develop a detailed pricing methodology to establish a feedstock gas transfer price for an integrated gas to liquids project.  A price is needed to establish secondary tax liability.

· The “residual price methodology” is a viable approach for setting a feedstock gas transfer price in an integrated gas to liquids project for the purposes of calculating secondary tax liability.

· The residual price methodology incorporates the netback and the cost plus methodologies.

· The netback price provides the maximum price a gas to liquids processor would pay for feedstock gas and receive a return on capital, and the cost plus price is the minimum price a gas producer would accept and earn a return on capital.

· The residual price approach splits the differential between the netback and cost plus prices.  A 50:50 split reflects the integrated and interdependent nature of a gas to liquids project.

· In the start up phase of a project, the residual price may be uneconomic.  In this circumstance a price can be used which reflects a more commercial return.

· The appropriate return on capital should be calculated via a weighted average cost of capital (WACC) using the Capital Asset Pricing Model.  A preliminary international comparability search shows a benchmark of 17.5% pre-tax to be a reasonable return.

· Joint costs in the cost plus method should be resolved by including in the cost base direct costs to feedstock gas and an allocation of common costs by energy content of joint products.  Costs directly attributable to other products should be excluded from the cost base.

· The cost plus and netback approaches should be operationalised with a capital annuity calculated for each capital item, each year, and maintained for the expected life of the asset on commissioning.

· Costs shared upstream and downstream should be split on a reasonable basis.  A 50:50 split would be an appropriate starting point.

· Once production begins taxpayers should calculate the transfer price annually using the residual price approach to determine assessable receipts.

· This will involve taxpayers computing and maintaining capital annuities for capital items.

· Once a secondary tax liability is incurred the forecast X-factor, being the gas transfer price as a proportion of the price of LNG (from the previous year’s calculation) can be used to pay quarterly liabilities in the following year with a final “true up” calculation at year end using actual expenses and revenues.

· The shadow price approach may be applied but only if, under various criteria, prices are established to be arm’s length and are sufficiently comparable to be used in each circumstance.

· The arm’s length price established according to the legislation will always dominate the residual price approach.

Introduction

Arthur Andersen has been contracted by the Department of Primary Industries and Energy, Commonwealth Treasury and the Australian Taxation Office to provide advice on using various methodologies to determine a gas transfer price for gas to liquids projects subject to Petroleum Resource Rent Tax (“PRRT”) though the methods must be robust to other secondary tax systems.

This report is the outcome of Part 2 of the consultancy.  In Part 1 Arthur Andersen provide a report which assessed six approaches to the determination of a transfer price against various criteria and made recommendations on the appropriate methodologies.

Part 2 of the Gas Transfer Pricing Study involved the consultant selecting a number of methodologies whose results could form a range of prices which would be used in determining a final transfer price.  In a process that included consultation with DPIE, Treasury, ATO and oil and gas industry representatives, the following methodologies were proposed for inclusion in this range of prices:

· the netback approach; and

· the cost plus approach.

Some discussion in this report will be given to another approach considered during the study ie. shadow price approach based on domestic gas prices. However this approach  was identified as having practical shortcomings to be considered as a methodology for use in setting an indicative range of transfer prices. 

It should be noted that the feedstock gas transfer price would only apply to the calculation of PRRT liability or some other calculation of secondary taxes.  The transfer price calculations should not effect the actual terms, conditions and prices accounted for by the upstream or downstream segments of a gas to liquids project.

Furthermore our study recognises at the outset that the application of transfer pricing principles in all arenas requires a degree of judgement.  Issues cannot often be resolved by the rigid and mechanistic application of standardised or formularised rules.

Standard approaches included in our study have been modified to accommodate the facts and circumstances of the projects under consideration.  Because transfer pricing is not a precise science practitioners should focus on material not esoteric methodological issues.  Common sense and project economics at the end of the day should be key influences on the outcome of a transfer pricing analysis.

Flexibility in the adaptation of a transfer pricing methodology but applied in a structured and consistent manner will provide taxpayers, industry, the government and the community in general with robust outcomes and greater certainty in respect to the determination of gas transfer prices and the calculation and collection of secondary taxes on resource extraction.

Definitions

Upstream and downstream

Defining the ringfence between upstream and downstream components of an integrated LNG project is necessary before the prescribed methodologies can be applied.

The ringfence is defined by the physical composition of petroleum derivatives, specifically the ringfence is defined as the point where a “marketable petroleum commodity” is produced.  

The Petroleum Resource Rent Tax Assessment Act 1987 reads as follows:


“marketable petroleum commodity” means any of the following products produced from petroleum:


(a) stabilised crude oil;


(b) sales gas;


(c) condensate;


(d) liquefied petroleum gas;


(e) ethane;


(f) any other product declared by the regulations to be a marketable petroleum commodity;


not being a product produced from another product of a kind referred to in paragraphs (a) to (f) (inclusive).

where,


“sales gas” means a mixture that includes methane, where the methane comprises more than 50% by weight of the mixture.

These definitions should be used in defining services of an integrated gas to liquids projects as upstream or downstream.  Specifically,

· upstream services being those which relate to the production of a “marketable petroleum commodity”; and

· downstream services being those which refer to all services prior to the first arm’s length sale of a derivative product of a “marketable petroleum commodity” excluding upstream services.

Cost centres

In implementing the methodologies it will be necessary to define cost centres within the upstream and downstream operations.  The definition of cost centres will vary with technologies and the reporting systems used by the taxpayer.

For example, in applying a netback approach it will be appropriate to define a cost centre for each major component of the downstream process.  Due to changing technologies and varying reporting standards it is difficult to prescribe cost centres.

Taxpayers should be guided by the principle of needing to calculate a gas transfer price which is “fair and reasonable” and reflects an arm’s length result.  Taxpayers should not be burdened with undue reporting requirements but should define relevant cost centres in such a way as to be independently auditable.

In the context of current technologies it may be necessary to define cost centres and allocate the costs for each project as follows:

· upstream, including development (eg. drilling and storage, which are not exploration); transmission (relating to transporting gas from the PRRT ringfence to the processing facility); and

· downstream, including processing (relating to the processing of gas to liquids); storage (relating to the storing of liquids prior to transport); and shipping (relating to transporting liquids to market).

Non-capital costs

Non-capital costs are the operating, maintenance and other costs incurred in the delivery of services within each cost centre.

Cost of capital

Where the cost of capital (or rate of return) is used in determining the gas transfer price it should provide a return which is commensurate with prevailing conditions in financial markets and the risk involved in providing the services associated with each cost centre.

The cost of capital may be set on the basis of a weighted average return applicable to each source of funds (equity, debt and any other relevant source of funds).  In this sense the Weighted Average Cost of Capital (WACC) should reflect the financing structure of the taxpayer/project under consideration.  While observable rates of return to debt are readily observable in the market, the same cannot be said for returns to equity. Various models were examined in estimating an appropriate equity return on an integrated LNG project. It was decided that the most appropriate model was the Capital Asset Pricing Model (CAPM) for the purposes of our study. This choice was consistent with our aim to find an indicative industry WACC rather than an individual project’s WACC.

The cost of capital approach used in this report is discussed in detail in the appendix section of this report.

Depreciation

Capital assets depreciate in value over their life.  Depreciation reflects the wear and tear of an asset resulting from its common use.  Typically an allowance for depreciation on a company’s assets is always made before the calculation of profit, on the grounds that the consumption of capital is one of the operating costs.  Since depreciation can be accurately measure only at the end of an assets life depreciation provisions in company accounts require an estimate of both the total amount of depreciation and the assets life.

Throughout this study we have used a straight-line depreciation method over the expected economic life of the asset with a residual value of zero.

Rents

The concept of rents is critical to this study. The problems encountered with most of the transfer pricing methodologies considered involve their handling of rents. Economic rents represent a return in excess of that necessary to keep a firm in production. They result from a factor being in fixed supply.

It may be useful to distinguish between the concept of economic rent as a residual profit over the normal economic return associated with an activity (usually downstream value added activities) and resource rents which accrue to an activity from the intrinsic value of a finite resource, such as gas itself (associated with upstream activities). The distinction between these two concepts of rent are blurred and difficult to quantify in the case of an integrated gas to liquids project.

Netback approach

Introduction

The netback methodology determines a feedstock gas transfer price (at the PRRT ringfence) by deducting from an independent commercial “arm’s length” realised price the costs associated with downstream activities. In a vertically integrated LNG process, downstream activities generate both operating and capital expenditures. Conceptually these expenditures in aggregate are equated to a resale price margin. This margin is the minimum amount a reseller (eg. downstream gas processor) would seek in order to cover its selling and operating costs plus an appropriate profit. The appropriate profit is set so as to provide the processor with an adequate return on capital used in its downstream activities. These activities are associated with LNG liquefaction, shipping, and storage. 

The residual term after deducting downstream costs from the independently derived LNG price is the notional “arm’s length price” of gas sold at the PRRT ringfence.

The concept of rents is an important consideration under a netback approach. Traditionally rents receive explicit treatment as a quantifiable rate in a netback formula. These downstream rents are usually factored into the capital cost parameters used in netback calculations. Such an approach is contentious because it implies that a vertically integrated LNG project’s rents can be allocated to separate stages in the value chain. The argument that total project rents are so closely interdependent of both its upstream and downstream activities that such an allocation of rents is unfeasible is a frequently cited drawback of this method. Furthermore netback requires the level of rents to be predetermined.  This is problematic if the level of rents vary with the project’s life.

One standard approach to the netback methodology is to use a weighted average cost of capital (WACC) as the appropriate capital allowance rate thus avoiding the explicit determination of rents in downstream processes. The determination of rents will only become an issue when we have determined our range of prices (a cost plus price being the other parameter). 

Description
The netback methodology is essentially a “top down” pricing approach.  A variety of netback pricing formulas exists to capture this approach. In essence they are all attempting to account for the same downstream activities. Where they differ is how they account for downstream capital costs.

Part 1 of this consultancy identified the following equation as being the most appropriate netback functional form to use:


TP = [LNG
 * Ga] - [Cap Annuity + Opex]







Va


Where:


TP = Gas transfer price


cap annuity = capital annuity


LNG = LNG market price 

opex = annual operating costs


Ga = LNG exports (volumes)

Va = Natural gas (volume)

The formula above is a capital annuity netback approach. The annuity approach relies on the calculation of a fixed annual return on the initial capital cost. This fixed return accounts for both depreciation (not explicitly identified) and a capital cost allowance. The advantage of this method lies in providing a more stable capital cost parameter, which would not be subject to the fluctuations from explicitly recognising both a depreciation allowance and an undepreciated capital allowance. A single  annual capital allowance rate implies a continuity of capital expenditures and planning over time.  

The netback calculation is operationalised in our study as an annual calculation. This was determined by the need to better match long run cost estimates with actual cost incurred on a timely basis, as well as reflect the need for a gas transfer price to be responsive to broader shifts in market forces (eg LNG price movements).

Issues

The price derived from any netback calculation in essence reflects the minimum return an integrated LNG producer will seek to earn in the long term from its downstream operations in order to continue its LNG operations, or would otherwise cease its production and sales of LNG and re-employ its capital in a more profitable venture. The process of deducting total relevant downstream costs from an independently derived LNG price will produce what can be determined in a notional sense as the “arms length” price of gas sold at the PRRT ringfence.

While directly attributable costs associated with an LNG producer of a capital and operating nature can be quantified through the use of allocation and forecasting techniques applied to existing cost data. The identification of rents requires a more subjective assessment.  Rents identified in the downstream operations of an LNG producer are usually  factored into the capital expenditure parameters in a netback calculation. The use of a WACC rate as the capital allowance factor in this equation, implies no rents are associated with downstream activities. It is likely that rents will exist in downstream activities, however the use of a netback calculation means that the rents will be pushed into the upstream. This is primarily because the netback is a one-sided analysis and ignores the cost structure upstream.

Finally, application of the netback formula must be relevant to the specifics of the downstream operations of the LNG industry. Until 1993, the sale of LNG was conducted worldwide exclusively through the use of long run contract terms and conditions setting a price for the future delivery of LNG
. As such, LNG projects have generally been based on supply contacts, designed to deliver the contractual amount of LNG with a high degree of reliability. The effect of this has meant that LNG plants have been designed with excess capacity in order to ensure that excess liquefaction capacity is available, and unutilised tankers used for delivery of LNG are available to cover unscheduled orders. 

This makes commercial sense as LNG producers appear to prefer maintaining excess capacity in order to supply new contracts rather than having to inject capital to expand their operations on an as needs basis. As such, the cost of this excess capacity is embedded in the project’s main contracts reflecting a necessary “overcapitalisation” requirement to operate successfully in the LNG industry. 

The Institute for Energy Economics of Japan has estimated that the typical capacity for existing LNG projects is up to 25 per cent in excess of full utilised capacity to meet the current demand of contracted supply.

As a consequence LNG producers have volumes of available LNG in excess of volumes already contracted for sale, and this underutilised quantity has a marginal cost of production and transportation (supply) below the full cost of the main contracted volumes. The emergence of a developing spot market is a reflection of these marginal efficiencies as there is a growing willingness on the part of LNG producers to sell these uncontracted volumes at more competitive prices as spot sales. For the present purposes of our study we will reference arm’s length long term LNG contract prices as our first observable market price for the netback calculation, while mindful of the real potential for change in future pricing arrangements in this industry.

Capital Annuity

The capital annuity formula attempts to allocate downstream capital costs incurred in the export of LNG over the total project life. As such, it relies on the calculation of a fixed return on the initial capital. An annuity is calculated for each directly attributable capital injection to an LNG project over the total project life. This fixed return would be calculated on an annual basis, and would implicitly account for, but not explicitly identify both the depreciation incurred on the capital asset as well as a capital allowance. The annuity formula utilised to reflect this would be:

Capital Annuity =     $A *

i





         [ 1 - (1 +i) -n ] 
In the annuity formula above $A represents the estimated capital cost (either as initial or subsequent commissioned capital injections), i represents the capital allowance factor and n equals the number of remaining periods (ie years) until the project’s estimated completion date.

The desired effect of implementing such an approach is to incorporate a stable capital cost parameter into the netback formula, isolating the ability of a declining undepreciated capital asset to increase the gas transfer price over the life of the LNG project. Furthermore, the uniform approach to setting the annualised capital allowance rate allows a continuity of capital expenditures and planning over time.

The capital allowance rate represents a return on the capital employed downstream and attempts to capture the specific risk/return relationship associated with downstream plant and equipment. The WACC rate is the adopted capital allowance rate in this equation (as discussed earlier). 

Furthermore, only capital that meets the criteria as a commissioned cost is assessable. The identification of directly attributable capital in a downstream LNG processes is not problematic as usually clear functional processes are involved. This joint cost issue becomes more pressing in assessing attributable upstream costs.

Using this methodology to amortise and allow a rate of return to capital,  it is possible to calculate the annuity accruing from each individual capital expenditure for that year. To determine the total capital annuity relevant for a particular year would then simply require a summation of those relevant individual annuities incurred for commissioned capital expenditure. 

A simple annuity is a sequence of equal payments made at equal intervals of time. The capital annuity approach  adopted in this netback methodology effectively creates a notional sequence of annual payments (or in this case annual cost deductions)  over the life of the project. It does not attempt to match capital with output volumes on a proportional basis. As these are long term projects between two parties(buyer and seller) such a matching concept is not required as full  cost recovery is eventually achieved over the project’s life.

How capital injections over the life of the project are assessed is depicted in the figure below.

Figure 1
Capital Injections
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It should be noted that even if the project’s life is extended, once a capital injection is fully recovered that annuity ends. Any unrecovered capital amounts can be adjusted for the continuation in the project’s life if required as reflected in capital injection C in figure 1.

A minor complication arises in terms of capital which is acquired or commissioned throughout the year.  This arises because the annuity formula described above calculates an annuity based on commissioning of the asset on the first day of the year.  This issue can be resolved using the same principles used for depreciation in Australia’s income tax provisions.  That is, a full year annuity can be calculated and a proportion of that annuity is used based on the number of days remaining in the year from when the capital item is “installed ready for use”.

Annualised LNG Price

As the netback formula determined will be applicable on an annual basis in the future, subsequent  industry trends, prospective developments and innovations should be anticipated in each of the equation’s variables. This is particularly relevant to choosing an annualised LNG price.

Observed prices for the sale of LNG are derived in two ways; from the contract price realised as a result of a long term contacted sale for the supply of LNG and short term sales through the growing spot market. 

Long term price contracts may be readily referenced at present by the contracting parties, however there have been suggestions from within the gas industry that spot prices will play an increasingly prominent role in these markets.

Spot trading in LNG currently accounts for around 3% of the total market in Australia. There were few recorded spot transactions for the supply of LNG in 1992. 

It is notable that LNG producers are able to increase the capacity of existing LNG facilities at a lower incremental costs through capital injections to existing plants than building an entire new plant. This effectively could allow the creation of  a subsidiary market for LNG, as the lower cost of incrementally increasing the capacity of existing LNG plants and the increased marginal efficiencies with regard to expansions in production has led to a lower price for LNG where a spot sale occurs. These pressures may lead to an overall reduction in LNG prices as demand for spot transactions intensifies from buyers and the spot market rapidly expands.

The final impact on the supply of LNG by the developing spot market is that it will reduce the existing barriers to entry in the international market, (particularly access to markets) enforced by the implementation of long term supply contracts resulting in a potential increase in new project developments. 

Unanticipated price shocks from oil price fluctuations to which LNG prices in most long term contracts are tied is a further issue to consider. The study examined various methods by which a derived gas transfer price could be stabilised given  fluctuating LNG price movements. Some of these proposals involved setting a cap or floor on gas transfer price movements given changes to LNG prices, or setting price or growth paths for the gas transfer price in response to shifting market conditions. These options were administratively complicated and could be avoided if contractually the parties minimised these LNG price risks by removing pricing variances in the bilateral contracts themselves. None of these options were adopted, as the study concluded that  predetermining a gas transfer price path was a more subjective process which had the potential to send incorrect pricing signals inconsistent with the state of current energy markets.

In selecting the relevant LNG annualised price for the purposes of the netback calculation the actual prices realised over the course of a year are most appropriate. 

Annual Operating Expenses and Realised Volumes

Operating costs are the actual ongoing operational costs of providing the service, including the labour and material costs, as well as the relevant selling and administrative expenses  that are causally related to the downstream production, transportation and sale of LNG. There is no significant contention in assessing operating costs, as the actual operating expenses annually incurred by the LNG producer are readily observable to each LNG operator in forecasted and/or historical data. 

If joint operating costs are identified, such as marketing and administration, then where possible they should be directly allocated to LNG or liquids production.  In cases where costs are truly common an allocation (even if arbitrary) should be made.  A 50:50 split between two products but preferably an energy equivalent split would be appropriate.

The actual annual quantity of LNG exported and the volume of natural gas used as an input should be included in the netback formula, as this information is readily available in production, sales and marketing plans.

The denominator in the netback would appropriately be the volume of feedstock gas.  This price can then be applied to the feedstock volume of sales gas for the calculation of secondary tax.

It is worth noting that final abandonment costs have not been included in the netback method (nor are they included in the cost plus method to follow).  This is for two reasons.  Firstly, those abandonment costs that occur prior to the project being completed will be picked up as operating expenditure during the life of the project, and secondly the final costs would have no impact on the gas transfer price since no gas is being produced.  These do not represent “black hole” expenditures since they would be picked up in the PRRT and company tax calculations.

Cost plus approach

Introduction

The cost plus method examined in the study directly parallels the netback approach previously discussed. Most of the concepts in regard to the handling of capital allowances are based on the same principles and are not repeated in this section. However, while the netback approach is a “top down” approach, the cost plus method is a “bottom up” methodology. Expressed in functional form the two key differences to these approaches lie in their use of differing cost data (upstream as opposed to downstream) and the LNG price parameter used in the netback equation.

Cost plus pricing involves setting a gas transfer price such that the hypothetical arm’s length gas producer receives a price which covers its operating costs and gives it a return on the capital employed.

Ideally a cost plus price will reflect the upstream costs associated with the production of natural gas, and the ‘normal’ return required by a gas producer  to ensure the continuation of these operations. As such the cost plus approach as formulated here utilises a WACC capital allowance rate to derive the minimum return required for upstream operations to take place or continue over the long term. No rents are explicitly recognised in the equation.

Description

The cost plus equation can be specified as:

TP = (Capital Annuity + Opex)


    Va

Where:


TP = Gas transfer price

   Cap Annuity = capital annuity


Opex = annual operating costs 
   Va = Natural gas (volumes)

The capital annuity term in the above equation accounts for both a return of capital and a normal rate of return on capital on upstream activities over the  remaining life of the project. Operating costs per annum can be directly obtained from actual or forecasted data after costs from joint activities have been factored out of the equation.

For upstream activities the issue of joint costs are more problematic given the nature of gas reserves and resource extraction techniques. As such it is necessary to conduct a full-cost study involving the identification, measurement and verification of those upstream costs. In summary the annual realised costs incurred upstream by the gas producer will consider:

· all relevant operating and maintenance costs;

· the summation of all capital annuities determining annual commissioned capital expenditures over the lifetime of the project; and 

· the source and nature of any relevant common or joint costs.

Furthermore the above equation adopts a capital rate of return which does not account for rents in upstream activities which distinguishes this cost plus approach from traditional cost plus methods which often include a full markup over costs as considered in Part 1 of our consultancy. The rate of return which best estimates the ‘appropriate’ profit or ‘normal’ economic return of upstream LNG processes is the WACC. As discussed in the appendix of this report the same WACC rate is used for both netback and cost plus calculations, thus obtaining a WACC for the integrated project is appropriate in this instance.

Issues

By adding the cost plus capital allowance to incurred operating costs an arm’s length price of the original controlled transaction can be derived with no allowance for upstream rents. The use of a cost plus methodology in this manner is useful for determining the gas transfer price in two stages. Clearly deferring the rent apportionment decision until after a directly attributable cost based price has been derived also allows greater cost transparency.

Joint or common costs are incurred in the production of multiple products, these costs remain unchanged even as the relative proportions of those products vary.

In effect common or joint costs suggest the existence of economies of scope, in that a firm can produce two (or more) products more efficiently than if two individual firms were producing each of these products. If a cost is common with respect to at least two products, that cost can only be avoided when both of the products cease to be provided and are therefore no longer produced. As such, common costs will necessarily be incurred if either of the products are produced, but are not causally attributable to any one of the two products. 

If the issue of common costs arises in a cost plus calculation for a project producing other products in addition to gas, it is appropriate to differentiate the total capital and operating expenditures incurred if the project was producing gas alone (that is unavoidable costs) from expenditures which can be directly attributed to other products (avoidable costs). 

The relevant criteria for this decision is essentially an assessment of  the upstream operations of a project that produced gas and another product such as condensates, which determines what would be the reduction in the overall costs if the taxpayer were to cease the entire production of the petroleum product, but continue with the production of the gas? An analysis of this question encounters little evidence that costs would dramatically fall in such a scenario, particularly due to the capital intensive nature of the upstream operations of such projects.

Where truly common costs were found (ie. unavoidable in the extraction of gas and other products)  a reasonably sound basis for the separation of these costs is the energy content of  all products derived from the one reserve. Intuitively there is some support for allocating a product’s energy content and therefore economic value by its  cost of extraction.  Industry practice is such that energy content is, in certain circumstances, used to allocate costs.

Therefore, the cost bases for the operating elements of the cost plus method should:

· exclude costs directly attributable to other products (eg. condensates);

· include costs directly attributable to or necessary for the production of feedstock gas into the gas to liquids project; and

· allocate any otherwise undistributed common costs by energy content of products.

The splitting of common costs which are operational in nature, will need to be undertaken annually for the purposes of the residual price calculation.  The energy content split would be based on the energy content for the total annual production at the PRRT ringfence.

Capital items should have a similar treatment.  It is as follows:

· capital items which are directly attributable to other products (eg. condensate) should be excluded from the analysis;

· capital items which are directly attributable to feedstock gas should be quarantined and separate annuities calculated for inclusion in the cost plus calculation; and

· capital items which are truly common should have capital annuities calculated and each year’s annuity should be spit between products on the basis on the energy content of production in that year.

As in the netback method, a minor complication arises in terms of capital which is acquired or commissioned throughout the year.  This arises because the annuity formula described above calculates an annuity based on commissioning of the asset on the first day of the year.  

Again, this issue can be resolved using the same principles used for depreciation in Australia’s income tax provision.  That is, a full year annuity can be calculated and a proportion of that annuity is used based on the number of days remaining in the year from when the capital item is “installed ready for use”.

Residual price methodology

Introduction

A key issue in determining  the gas transfer price in an integrated gas to liquids project is the effect it has on the allocation of economic rents upstream and downstream.  This is a critical issue because the PRRT legislation has the express intent of only taxing rents accrued upstream.

In the two previous chapters the netback and cost plus methodologies for arriving at a feedstock gas transfer price have been developed.  In this chapter a methodology is developed for “basketing” or at least resolving the two methodologies into a single gas transfer price which can be used in the calculation of secondary tax liability.

Specification

The figure below is a stylised example of the cost plus approach (figure 2).  It does not purport to consider the complexities of setting a gas transfer price using the cost plus approach (eg. the time profile of transfer prices, joint costs or capital injections).  These matters have been addressed in the previous chapter.

The figure does show the basic principle of the cost plus approach.  The basic principle is that the transfer price determined via a cost plus is a price that will cover the gas producer’s upstream operating expenditures and give them a return on the capital they have invested.

The cost plus transfer price may therefore be considered the ex ante minimum price at which the producer would be willing to sell the feedstock gas.

Figure 2
Cost Plus Methodology
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Similarly, figure 3 shows a stylised example of the netback approach to arriving at a feedstock gas transfer price.  Again, the figure is trying to capture the basic principle of setting a gas transfer price using the a netback and does not consider the complexities of capital injections or project lifespans etc.

It does, however, serve to illustrate the basic principle of netback, ie that the netback gas transfer price represents the price a gas processor would be willing to pay, given the price they receive for LNG (or liquids), covering their downstream operating expenditure and allowing for a market return on the capital invested downstream.

The netback transfer price may therefore be considered the ex ante maximum price the processor would be willing to pay for feedstock gas.

Figure 3
Netback Methodology
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In a fully competitive market with all inputs variable, economic theory suggests that the cost plus and netback transfer prices should be equal for a going concern.

However, there are substantial rigidities in supply of inputs, eg. gas resource, capital, intellectual property, and demand factors which mean that the two prices diverge, resulting in a netback gas transfer price which is generally greater than a cost plus transfer price.  The difference, it could be argued, represents the economic rents associated with the project.

Of course, the discussion so far has only considered going concerns.  Projects which are in the planning stage and generally considered marginal may have “overlapping” prices.  That is, the netback price may be lower than the cost plus price and hence neither party would be willing to accept the offer price.

Figure 4 below, shows a stylised model of the case where there is no overlap of the netback and cost plus transfer prices.  In this case theory would suggest that there are economic rents or profits associated with the integrated projects which are not being reflected in the market return on capital implied by the WACC allowance in each methodology.

Figure 4
Residual Price Methodology
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The question then arises as to what is the most appropriate way to split the difference between the transfer prices.

The international transfer pricing literature describes a similar methodology as a residual profit split.  A residual profit split is:


An analysis used in the profit split method which divides the combined profit from the controlled transactions under examination in two stages.  In the first stage, each participant is allocated sufficient profit to provide it with a basic return appropriate for the type of transactions in which it is engaged.  Ordinarily, this basic return would be determined by reference to the market returns achieved for similar types of transactions by independent entities.  Thus, the basic return would not account for the return that would be generated by any unique and valuable assets possessed by the participants.


In the second stage, any residual profit (or loss) remaining after the first stage division would be allocated among the parties based on an analysis of the facts and circumstances that might indicate how this residual would have been divided between independent enterprises.  (1995 OECD Report Transfer Pricing Guidelines for Multinational Enterprises and Tax Administrations)

Unfortunately, there is little if any guide as to the way in which independent parties (upstream or downstream) would split the residual profit (or price) in an arm’s length sale of feedstock gas into an integrated gas to liquids project.

There is no one way of determining a division of the residual price.  The following may serve as a guide and are common in the literature on international transfer pricing:

· split based on replicating bargaining in an open market;

· split based on each entities discounted cashflow;

· split based on development expenditures; or

· split based on giving each operation (upstream and downstream) the same return on capital.

In the context of establishing a gas transfer price between upstream and downstream operations it is difficult to determine a reliable mechanism for splitting the price based on the outcome of open market bargaining.  The relative market power of the upstream and downstream is indeterminate because no similar market auctions are observable.

Using discounted cashflows has no real meaning in this context, as the upstream has no cashflows apart from gas sales which are determined by the transfer price.

A split based on development expenditures incurred to create the factors that give rise to the residual may also provide an indication of the relative contributions of the operations but only if there is a close relationship between cost and the value generated.

To operationalise this approach would involve using the expenditure apportionment factor described in Part 1 of the Gas Transfer Pricing Study to split the residual price.  That is, the residual price is split by taking the sum of real capital and operating expenditure upstream and dividing it by the sum of real capital and operating expenditure upstream and downstream.  Then taking this ratio and applying it to the residual.

However, in the context of an integrated gas to liquids project it is not apparent that there is a strong relationship between costs and the residual value.  The residual value is likely to come from elements such as resource scarcity, ease of extraction intellectual property and know how in terms of gas production, processing and marketing.  Therefore the apportionment approach to splitting the residual price is not used.

Similarly, the concept of apportioning the residual profits based on giving each party the same return on capital is flawed because capital expenditure is not the factor which is driving the residual price.

Obviously, there are a multitude of methods which could be used to split the residual price.  None of the methods considered provides a systematic assessment of the relative values associated with the upstream and downstream activities.

In light of this situation any method is essentially  arbitrary. In this regard it was considered that the most appropriate and potentially equitable solution is to split the residual price 50:50 between the upstream and downstream operations. The gas is worth little without a mechanism to get it to a market (ie through liquefaction) and the processing is worth little without access to a large and sustainable supply of cost effective gas.

While arbitrary, it is worth noting that this outcome should not distort economic efficiency. As discussed,  this approach has identified and leads to the taxing of rents.

It should be noted, that if the prices overlap and the project is a going concern a transfer price still needs to be determined.  Logic suggests that it is appropriate to split the loss 50:50, and that this established split be maintained in all circumstance. However, a negative residual price could potentially create distortions in the way in which it feeds in to secondary tax calculations.

It can also reasonably be argued that the crossover of the net back and cost plus price in the start up phase is uneconomic and is purely driven by the straight line depreciation implicit in the capital annuity calculation.  In these circumstances third parties may agree to price the feedstock gas at the “full production” price.  Such price could be attained from a modelling exercise similar to that undertaken in the appendix of this report.

Alternatively, the price of the first crossover, or some percentage of it may be used.  While  essentially an arbitrary calculation or choice it would service to stabilise an economically “reasonable “ price for the startup phase.

Crossovers of the netback and cost plus prices may also occur in the longer terms.  This may be a result of variation in volumes, prices or capital and operating expenditures.  In fact a crossover may occur because of a combination of reasons.  It would appear however, to be unrealistic for the taxpayer or the Commissioner to differentiate why a crossover has occurred and as such it would likely be less distortionary to allow the residual price method to operate.  While a zero transfer price floor would be appropriate any other floor would need to be considered in light of the administrative cost in deriving and applying it and the lack of symmetry created in the overall approach.

Having concluded this, it is important to note that the legislation (which promotes the arm’s length principle) would have dominance over the residual price approach.  As such in cases where the formula based approach yields a price which does not represent an arm’s length price an amendment to the approach should be considered.

It is impossible to forecast all potential aberrations in the outcome of the residual price approach.  In light of this it would be appropriate for anomalous outcome to be considered by all stakeholders to the process.

Figure 5 
Residual price less than zero
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Clearly a tension exists between the view that downstream value added activities give rise to more rents and a view that the size of the field upstream makes the development of the whole LNG export scheme economically viable.

Furthermore the residual price methodology adequately allows for cost reduction strategies in upstream and downstream activities to be pursued while preserving the correct pricing and market signals. There is a direct relationship between achieving cost efficiencies in the upstream and a fall in gas transfer price (via a lower cost plus price). The logic behind lower costs in downstream activities yielding increases in the gas transfer price can be explained in terms of a capacity to pay argument. Greater cost efficiencies in downstream activities mean more efficient LNG processing can be undertaken, downstream operators may be willing to pay more for a resource which they can utilise more effectively.

A similar argument also exists for wet versus dry gas producers, a lower cost structure due to the reallocation of joint costs in a cost plus equation will widen the rent differential and lower the gas transfer price (under a 50%-50% apportionment method).  However the argument that a wet gas producer will have the capacity to accept a lower price than a dry gas producer has some merit (this is essentially a cross subsidisation argument).

Shadow price approach

Assessment of Domestic Gas Industry 

The Australian gas industry is characterised by well defined, geographically distinct gas markets which have been developed around state boundaries. Each major market is currently supplied under long-term contracts from a single basin. These features reflect the economics involved in the transmission of and distribution of gas. 

The supply of natural gas to domestic consumers involves 3 stages:

Production (Upstream Operations)

Production involves drilling and bringing the natural gas to the surface, delivering the gas to the process plant and preparing it for transmission by pressurising it for transportation through the pipeline. 

Transmission (Downstream Operations)

Transmission covers the transportation of natural gas from the processing plant to the City-Gate, which is defined as the outskirts of a major metropolitan area, and to major customers and other locations of distribution networks. Virtually all natural gas consumed domestically in Australia is transported as compressed natural gas in pipelines. Where natural gas is to be transported over long distances, it is transported in large diameter, high pressure trunk transmission lines.

Distribution

Distribution and reticulation involves the delivery of natural gas to consumers.

Figure 6
Domestic Gas Industry
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Methodology

The shadow price methodology would involve using the price observed in an arm’s length transaction between unrelated parties as the feedstock gas transfer price.

Before the shadow price method can be used, a comparable arm’s length price needs to be observable.  This matter is discussed further below.  In the event that either arm’s length domestic or feedstock gas prices are observable, they would need to satisfy a number of criteria before they could be considered as reliable comparables.  The criteria for assessment would include:

· a determination of whether the prices which were observed were truly arm’s length; and

· an assessment of whether the prices were for the same or similar product transacted in the same or similar circumstances.

Arm’s length prices

Only truly arm’s length prices can be used as shadow prices in the determination of a feedstock gas transfer price.  Following the Income Tax Assessment Act 1936 (“ITAA”) definition of arm’s length transactions, regard would need to be had for “any connection between” parties to the transaction which revealed the shadow prices or “any other relevant circumstances”.

In these circumstances the expression “any connection between” is not dependent upon the existence of control or share ownership.  It would not be appropriate to limit the scope of this expression.  The ATO in its Taxation Ruling TR 94/14 provides that any connection would include:

· a direct or indirect shareholding in one company by another company;

· the common ownership of companies even though there may be no direct or indirect shareholding between the two parties to the transaction;

· the ability of one company to obtain an interest in another through options, convertible notes, preference shares or otherwise;

· the existence of common directors or executives; or

· involvement in a cartel.

The expression “any other relevant circumstances” is similarly an openly defined expression.  The Explanatory Memorandum to the international transfer pricing division of the ITAA provides that:

“there can be cases where formally unrelated parties to an agreement do not deal with one another on an arm’s length basis, viewed simply in relation to a particular supply or acquisition of property.  This could be the case where the particular transaction ... is offset by benefits under another seemingly unrelated agreement”

All of these matters would need to be considered before the shadow price could be considered as an arm’s length price to be used as a shadow for the gas feedstock transfer price.

Comparability of shadow prices

While all comparability factors need to be taken into account there are a number of key parameters which will drive price variations in the domestic and feedstock gas markets.  They include:

· product similarity (this would probably be achieved by considering sales gas, that is 50% methane, however if the domestic gas to which the shadow price relates would require further processing these costs would need to be accounted for);

· market similarities (the elasticity of demand for gas in the domestic market is likely to be different from demand in the feedstock gas market);

· contract terms (including volumes, discounts, and exchange exposures would need to be accounted for, this would be a substantial issue in comparing domestic gas to feedstock gas as the volumes are significantly different);

· strategies of buyers and sellers (if a gas producer is trying to penetrate a market or marginal cost gas and the prices of this gas are used as the shadow price, such factors would need to be accounted for)

In all circumstances it may not be possible to make reliable adjustments for the factors outlined above.  This would be particularly true when international prices were being used as shadow prices.  The best case would be where gas is being extracted from the same well as the feedstock gas and was being sold to a toll liquids processor.  These prices would likely be the most reliable.

In other cases the need for adjustment would reduce the reliability of the shadow prices.  Where the reliability of adjustments is low it is likely that the shadow price approach should be rejected in favour of more reliable methods such as the residual price method described in this report. 

Where a taxpayer enters into a toll processing arrangement, the “arm’s length” price which is observed would seriously need to meet the comparability criteria described above.  Moreover, it would be appropriate to establish some materiality criteria.  While it is a mater of some judgment, a purchase of 20 percent of annual feedstock gas is likely to be a base level to begin considering the comparability of the arm’s length transaction.

Netback shadow domestic price

In the past, and potentially in the future, the observable price is likely to be city gate prices rather than the ex-plant or well head price.  In these circumstances it will be necessary to netback from the city gate prices the haulage or transmission charges to arrive at the comparable shadow price.

The appropriate methodology would be based on a netback formula, utilising as the starting point the city gate gas prices paid by distributors (or large commercial users) and calculated according to the volume of gas consumed. This price will vary according to which State is chosen for assessment as prices in Victoria for instance are significantly cheaper than prices available in Western Australia due to the greater level of competition experienced. 

In addition, the prices of natural gas for distributors will also vary according to that demand in each State. In each State, industrial contract customers pay lower prices for the supply of natural gas than commercial or residential consumers who are supplied lower volumes. Furthermore, major customers exist who may not necessarily be dependent on distributors for their supplies. Any assessment will therefore need to be averaged across States and account for the different customer profiles.

In the domestic market for the supply of natural gas, the transaction by which the gas is transmitted from the gas fields to the city gate is recognised as an arm’s length transaction, as the distribution operations of the market are separate to the production and transmission components. As such, it may be appropriate to accept the transmission prices a gas supplier faces in the domestic market as arm’s length, and merely subtract the listed transmission charges from the listed city gate prices.

Note also, transmission charges will also vary from State to State according to the length of the pipeline and distance from the gas fields and production facilities to the customer location. Under this scenario, transmission charges in Western Australia will naturally be higher than in Victoria where transmission of gas resembles a retail distribution network rather than a transmission pipeline.

Application

Ideally, prices received for the sale of natural gas in the domestic market would be readily observable and attained from public sources. Publications by the “Australian Gas Association” (AGA), in particular its annual report “Gas Industry Statistics”, have tabled the relevant prices since 1989.

In the past, the prices listed included the city gate price. Also, the AGA annual report listed the ex-plant price attained by a netback of haulage charges which is effectively the final shadow price to compare to the gas transfer price. 

These prices are, however, no longer published by the AGA and no other public source of pricing information is apparent.  Without a publicly available, transparent, auditable prices, the shadow price method cannot be reliably applied.

If in the future arm’s length domestic ex-plant prices or feedstock gas prices into an LNG or other gas to liquids project become available then they should be considered as a possible benchmark in the setting of a feedstock gas transfer price.  

They should only, however, be considered prior to a project commencing.  Once a project commences under the residual price split methodology outlined in the report then it should not convert to the shadow price approach.

The main reasoning behind this position is that the structure and outcome of the residual price approach could be significantly distorted in terms of the profile of transfer prices and secondary tax liability if switching occurs.  Further, the possibility of switching between the residual price approach and the shadow price approach (around the times that shadow prices are observable) would create additional administrative burden as the residual calculation would need to be maintained.

The concept of switching between the residual price approach and shadow price may create some uncertainty.  However, on the occasions that comparable prices are observed, the ATO and taxpayers may apply prices which are  realised in comparable arm’s length dealings.  An assessment of comparability would need to be undertaken on each occasion.

If an ex ante shadow price is used it would be appropriate to ensure that the shadow price will be observable over the life of the project.  If the benchmark price is no longer revealed in the market then taxpayers and government will be left in a state of limbo.  For this reason, the residual price methodology should be maintained throughout the life of the project where an assessment is made that there is a material risk that the third party price will not be available at some stage.

Setting and Reviewing the X-Factor

Transfer Price Setting Process

The Petroleum Resource Rent Tax is a tax on rents that applies to offshore petroleum projects.  The PRRT is levied at 40 percent of the net revenues when the profitability of the petroleum project exceeds set threshold levels.  The Petroleum Resource Rent Tax Assessment Act 1987 requires that where no arm’s length sales of sales gas exist the taxpayer is required to calculate a notional value for the sales gas.

Under Australia’s regime the calculation of PRRT liability (and hence gas transfer prices) is undertaken annually and submitted with the Resource Rent Tax Return.  Prepayments are made quarterly.

The onus then is on the taxpayer to demonstrate that the receipts disclosed in the calculation of PRRT liability approximate the receipts which would have been received if the transaction had occurred at arm’s length.

X-Factor

Having established a detailed methodology for the ex ante determination of the transfer price which will apply to a gas to liquids project, it remains to determine an X-factor which can be used by the taxpayer to determine the gas transfer price over time and calculate an estimate of secondary tax liability.

As discussed in detail in the report for Part 1 of the Gas Transfer Pricing Study, it may be desirable to have an X-factor which can be applied to scenarios of the price of liquids (eg. LNG) to calculate the gas transfer price.  That is,


GTP = X * PLNG

where GTP is the gas transfer price, X is the X-factor which will naturally be between zero and one and PLNG is the price of LNG.

An X-factor is desirable because, ex ante, it gives gas producers or taxpayers an administratively simple way of estimating their future secondary tax liability.  When considering developing a gas resource and investing in a liquids processing facility the taxpayer can estimate secondary tax liability under various development and price scenarios.

As discussed in the previous chapters on the netback and cost-plus methodologies it is appropriate that the calculation of the estimated X-factor be based on project specific factors.  These have been described as “non-core” factors and include:

· projected price of liquids;

· projected operating expenditure;

· projected capital expenditure;

· projected production; and

· expected life of the capital assets.

In calculating the ex ante gas transfer price and X-factor, these non-core factors need to be estimated by the taxpayer.  Core factors in the transfer pricing calculation have been provided in this report.  They include:

· the methodology to calculate the netback;

· the methodology to calculate the cost plus;

· the Weighted Average Cost of Capital; including

· cost of equity (beta);

· cost of debt;

· debt to equity ratio; and

· the approach to deriving a gas transfer price.

These core factors should be used by taxpayers in any calculation of an X-factor to apply to their project.

Balancing Secondary Tax

The transfer pricing methodology (ie. the netback, cost-plus and residual price split) can be used to determine an X-factor for estimating a gas transfer price and hence estimating secondary tax liability.

However, many of the parameters of the model are not static.  Most notably the non-core variables set out above are projections of prices and expenditure.  Changes in these variables over time will result in changes in the calculated X-factor and therefore the transfer pricing calculation would need to be updated.

Moreover, while the X-factor is an appropriate tool for estimating future gas transfer prices and tax liabilities it would be necessary for the taxpayer to re-calculate the appropriate transfer price ex post or at year end,  in order to base the transfer pricing determination on actual costs and actual prices received for liquids.

It remains then to set out an appropriate time-line for re-calculating the transfer price.

Table 1
Interim and Final Payment Schedule
	Ex ante


	The methodology and core factors provided will allow taxpayers to estimate a gas transfer price and an X-factor ex ante.

	Production

	Once production begins the taxpayer should recalculate the transfer pricing formula at year end to determine the assessable receipts for secondary tax purposes.

Taxpayers should set capital annuity calculations based on commissioned capital assets and the expected economic life of those assets. 

Taxpayers should add and maintain new capital annuities based on capital injected in each year following production.

Joint operating costs and joint capital annuities should be identified and allocated annually based on the energy content of annual production.

	Secondary tax liability incurred

	Once secondary tax liability is incurred, the taxpayer should recalculate the transfer pricing formula at year end and balance secondary tax liability.

Quarterly payments of secondary tax in each following year can be made on the projected X-factor in the previous year end transfer pricing calculation.


To reduce administration, quarterly payments of secondary tax could be made on the estimated X-factor.  This would save taxpayers having to amend reporting systems to get accurate downstream operating and capital expenditures.  Also, the nature of the capital annuity calculation and the fact that a year-end balancing of costs would be required even on a quarterly calculation lends itself to this administrative saving.

At some stage it may also be necessary to review a number of the core parameters of the methodology.  In particular, the cost of equity of such an operation is likely to vary over the life of a project with changing international conditions.  

While necessary,  this process should not be undertaken too often as it will create uncertainty.  With this in mind we would recommend that a re-estimate of the international cost of equity and Weighted Average Cost of Capital only be undertaken in the year of production and then at 10 year intervals.  The new WACC estimate should then only apply to new capital injections.

The transfer pricing methodology once implemented should not be amended during the life of the project.

Deciding on the appropriate review period requires some potentially conflicting objectives to be resolved.  These objectives or principles include the desire for simplicity and certainty by taxpayers and government and the pursuit of a price which reflects an arm’s length transaction.

Certainty is an important characteristic.  Investments in integrated gas to liquids projects require significant capital investments.  The returns are typically low but they do provide a fairly certain flow of gas and cash flows through long term contracts.  The decision to proceed with a development is often based on securing a contract and a certain after tax return over an extended time period.  

A transfer pricing methodology or review period which reduces the certainty of those returns has the potential to cause investors to delay developments which would otherwise go ahead.  This misallocation of resources reduces the economic efficiency of the development and the benefits to the community as a whole.

Certainty is best served by having a gas transfer pricing calculation which does not change over time and a structure which does not vary.  The methodology outlined in this report, if implemented, should be maintained over the life of the project.

While non-core variables will be updated annually once a secondary tax liability is incurred this should not add uncertainty as these parameters are uncertain in all calculations of the economics of a gas to liquids projects.

A suggested approach is the adoption of an interim and final annual X factor or gas transfer price. The interim price would be calculated on the basis of forecasted or the previous years annual cost data.  For all intents and purposes it is used as the basis for determining quarterly payments under the PRRT regime.  At the end of the 4th quarter of the year actual cost estimates are more likely to be obtained, this data is then used to settle the net amount owing due to discrepancies between initial and final actual costs per annum. 

The recalculation of the capital annuity when these costs are first injected on an interim and final basis can be easily performed. This final capital cost estimate then forms the basis on which all future capital allowances for that particular cost pool are treated. Changes to operating cost estimates are simply revised and settled on a net basis at the end of the final quarter of the year.

A midpoint review during the expected life of an LNG project was also examined. This review would be to ensure that any initial long run costs and parameters are still on target. It is also an opportunity to reassess the expected life of the project, and the implications this has with any existing capital annuities.

Gas Transfer Price Model

Assumptions

A gas transfer price model was constructed to test the logic and robustness of the residual price methodology in yielding transfer prices which were:

· realistic given market parameters and the project economics;

· able to be applied to a range of project configurations and costs;

· able to adequately reflect the financial, technical and operating risks associated with an integrated process. 
While we have applied the derived gas transfer prices from the model to a range of LNG project scenarios, for the purposes of analysing a consistent set of results a representative project was formulated. It is not claimed that the modelled example is a “typical” LNG project as there is little doubt that each LNG project can differ substantially in costs, volumes and other key parameters. However some basis for analysing derived gas transfer prices from the residual price methodology is necessary.  The model represents a  plausible project scenario based on a review of industry data. Furthermore the purposes of this exercise is not to comment on the financial viability of a LNG project per se, but to illustrate the impact of a transfer pricing methodology considering all the parameters which determine a project’s economics. 

The model is based on a project yielding 6.6 million tonnes per annum over an expected life of 25 years. This project is treated as essentially a generic “dry” LNG project
. We have also modelled these transfer prices for a “wet” project, the results are highly dependent on the treatment of joint costs (as discussed earlier). 

It has been assumed in this scenario that full production volumes are achieved in year 1 of the model for the purposes of  deriving a gas transfer price that is unbiased by the gradual ramping up of volumes in the initial years of the project. In doing so the unitised price will more clearly reflect a sensible result based on the project economics rather than an artificial result based on a strict annual calculation (ie the denominator of the gas transfer price formula reflects an average volume not an initial volume).  This adoption of a forward looking production volume is consistent with the forward looking treatment of capital under an annuity.

Furthermore while capital is introduced in the early stages of the model, the use of a capital annuity approach is able to easily handle any further capital injections throughout the life of an LNG project. In this model forecasted capital expenditures are the key drivers of expected annual operating expenditures and production volumes.

Capital and operating costs considered in the model related to both upstream and downstream processes;  exploration costs are not modelled.

Key parameters

The key parameters in the model are:

· the inflation factor

· the LNG price

· cost per standard ship/shipping operating expenditure

· upstream capital expenditure/tonne ($)

· downstream capital expenditure/tonne ($)

· upstream operating expenditure (% of capital expenditure)

· downstream operating expenditure (% of capital expenditure)

· weighted average cost of capital 

The inflation factor applied to the model’s cashflows and prices is 3% pa. This rate is consistent with present long term inflation forecasts.

The model’s initial LNG price is $5.41 ($AUD/MMbtu) CIF, an inflation factor of 3% pa is applied thereafter. While it is acknowledged that the long term LNG contract price may in fact decline due to the trend in oil prices, spot  market developments and changes to current LNG market demand, this price best reflects current available data on comparable LNG projects
 sourced from industry data and published reports.

Cost per standard ship and shipping operating expenditure were largely determined from published reports of LNG projects of a similar size (volumes in million tonnes per annum) and expected project life of the one modelled (factoring varying shipping distances). A cost of $350,000,000 per standard ship @ 6 ships has been estimated for the project, given 6.6 million tonnes per annum over 25 years. Shipping operating expenditure is assumed to be set at 3.5%
.

On the basis of our data survey, upstream and downstream capital expenditure has been set at $20/tonne,  upstream and downstream operating expenditure at 4% and 3.5% of capital expenditure respectively. These cost estimates were considered to be reasonable for a project of this scale given available data.  

The weighted average cost of capital (WACC) used in the model represents the normal economic rate of return to an LNG producer. Our review of WACC for comparable LNG companies in gas production suggests an average pre tax WACC of 17.5 %. This range is highly dependent on the range of activities undertaken by the LNG production company.  Generally the WACC of pure exploration companies are significantly higher than 17% reflecting higher average risk of these activities (Refer Appendices for WACC discussion). However, the residual price methodology recognises the integrated risks of an LNG project via use of a single WACC rate for both upstream and downstream activities. This single WACC rate will reflect an integrated LNG project’s risk-return profile. 

The discount rate applied to cashflows does not necessarily equate with the Weighted Average Cost of Capital (WACC) rate, as asset or project specific risk may also be factored into the discount factor. Ideally a company’s WACC rate is an appropriate discount factor to use if the project’s risks are similar to the risk of the asset portfolio of a company. The model uses the WACC rate as the appropriate discount factor, given there is no evidence on the basis of other parameters why these rates should differ for this hypothetical project. 

Table 2
Model Parameters
	Key Parameters
	“Hypothetical” LNG project

	Inflation factor
	             3.00% pa

	LNG Price
	            $5.41 (CIF)

	Cost per standard ship/shipping 

operating expenditure
	            $350,000,000

              3.50%

	Upstream capital expenditure/tonne ($)
	             $20.00

	Downstream capital expenditure/tonne ($)
	             $20.00

	Upstream operating expenditure (% of capital expenditure)
	               4.00%

	Downstream operating expenditure (% of capital expenditure)
	               3.50%

	Weighted average cost of capital 
	              17.5%

	Discount Rate
	              12.00% 


Modelling Results

The results of the model are presented in the following tables.  Note that for ease of interpretation the prices are calculated in units of LNG or liquids produced rather than natural gas production.  This allows the gas transfer price to be directly referenced to the price of LNG (see GTP as % LNG).

Of course, in calculating assessable receipts for secondary tax purposes the appropriate units would be volume of feedstock gas.
Table 3
Average model results
	Averages over project life
	

	LNG Price
	7.97

	Netback Price
	4.05

	Cost Plus Price
	2.22

	Gas Transfer Price
	3.13

	
	

	Differential (Netback - Costplus)
	1.83

	Apportionment by cost
	0.36

	
	

	GTP as % LNG
	39.01%


Table 3 presents results averaged over the life of the project (25 years). It should be noted that all cost and price parameters are uplifted by the same rate in this model. In light of this the derived average LNG price, netback and cost plus prices are a function of estimated total costs and initial price data. The differential is simply the difference between the cost plus and netback prices and conceptually represents the range of rents associated with the integrated LNG project.

A 50%-50% allocation method is adopted, the rents then associated with upstream activities is then added to upstream costs and its normal economic return (represented by the cost plus price) to yield the gas transfer price. The apportionment factor reported indicates the proportion of upstream costs to the total costs of the integrated project. While this apportionment factor is not applied in this model, it does provide an alternative method for the allocation of rents, as examined in Part 1 of the consultancy.

The final percentage reported in the above table is the average X factor (gas transfer price as a percentage of the LNG price) over the life of the project. From the above results it is clear that a lower X factor can be achieved by  using the current cost apportionment factor instead of a 50%-50% split yielding an X factor of 36%. Clearly any rent splitting method which attributes more rents to downstream activities will reduce the X factor, other things being equal.

The table below presents the model’s results on a annual basis, these figures should indicate  the trend and direction of an annualised gas transfer price over time, given the base assumptions. It should be noted that the first year of production occurs in Year 3 of the model (2001/02).

Table 4
Time path of model results
	
	2001/02
	2002/03
	2003/04
	2004/05
	2005/06

	 LNG Price
	5.46
	5.63
	5.80
	5.97
	6.15

	Netback Price
	1.94
	2.08
	2.22
	2.37
	2.52

	Cost Plus Price
	2.03
	2.04
	2.05
	2.06
	2.08

	Gas Transfer Price
	1.94
	2.06
	2.14
	2.22
	2.30

	
	
	
	
	
	

	Differential Nb-Cp
	-0.08
	0.04
	0.17
	0.31
	0.44

	Apportionment factor by cost
	0.37
	0.37
	0.37
	0.37
	0.37

	
	
	
	
	
	

	GTP as % LNG
	35.59%
	36.61%
	36.88%
	37.14%
	37.40%


Table 4 
continued

	
	2006/07
	2007/08
	2008/09
	2009/10
	2010/11

	 LNG Price
	6.33
	6.52
	6.72
	6.92
	7.13

	Netback Price
	2.68
	2.84
	3.00
	3.17
	3.34

	Cost Plus Price
	2.09
	2.11
	2.12
	2.14
	2.15

	Gas Transfer Price
	2.38
	2.47
	2.56
	2.65
	2.75

	
	
	
	
	
	

	Differential Nb-Cp
	0.58
	0.73
	0.88
	1.03
	1.19

	Apportionment factor by cost
	0.36
	0.36
	0.36
	0.36
	0.36

	
	
	
	
	
	

	GTP as % LNG
	37.65%
	37.89%
	38.12%
	38.35%
	38.57%

	
	
	
	
	
	


Table 4 
continued

	
	20011/12
	2012/13
	2013/14
	2014/15
	2015/16

	 LNG Price
	7.34
	7.56
	7.79
	8.02
	8.26

	Netback Price
	3.52
	3.71
	3.90
	4.10
	4.30

	Cost Plus Price
	2.17
	2.19
	2.21
	2.22
	2.24

	Gas Transfer Price
	2.85
	2.95
	3.05
	3.05
	3.27

	
	
	
	
	
	

	Differential Nb-Cp
	1.35
	1.52
	1.70
	1.87
	2.06

	Apportionment factor by cost
	0.36
	0.36
	0.36
	0.35
	0.35

	
	
	
	
	
	

	GTP as % LNG
	38.79%
	38.99%
	39.20%
	39.39%
	39.58%

	
	
	
	
	
	


Table 4 
continued
	
	2016/17
	2017/18
	2018/19
	2019/20
	2020/21

	 LNG Price
	8.51
	8.77
	9.03
	9.30
	9.58

	Netback Price
	4.51
	4.72
	4.94
	5.17
	5.41

	Cost Plus Price
	2.26
	2.28
	2.30
	2.32
	2.34

	Gas Transfer Price
	3.39
	3.50
	3.62
	3.75
	3.88

	
	
	
	
	
	

	Differential Nb-Cp
	2.25
	2.44
	2.64
	2.85
	3.06

	Apportionment factor by cost
	0.35
	0.35
	0.35
	0.35
	0.35

	
	
	
	
	
	

	GTP as % LNG
	39.77%
	39.95%
	40.12%
	40.29%
	40.45%

	
	
	
	
	
	


Table 4 
continued
	
	2021/22
	2022/23
	2023/24
	2024/25
	2025/26

	 LNG Price
	9.87
	10.16
	10.47
	10.78
	11.11

	Netback Price
	5.65
	5.90
	6.15
	6.42
	6.69

	Cost Plus Price
	2.37
	2.39
	2.41
	2.44
	2.46

	Gas Transfer Price
	4.01
	4.14
	4.28
	4.43
	4.58

	
	
	
	
	
	

	Differential Nb-Cp
	3.28
	3.51
	3.74
	3.98
	4.23

	Apportionment factor by cost
	0.35
	0.35
	0.35
	0.35
	0.35

	
	
	
	
	
	

	GTP as % LNG
	40.61%
	40.77%
	40.92%
	41.07%
	41.21%

	
	
	
	
	
	


The adoption of a standard uplift rate for all cost and price parameters is a major factor for the stable upward trend in the gas transfer price and X factor  observed.

Sensitivities

The sensitivity of the obtained results (X factor and gas transfer price) to changes in LNG price, WACC rate, capital and operating costs were examined. 

The graph below illustrates the trend in the transfer price components in the model over the project’s 25 year life. 

Figure 7
Gas Transfer Price Components
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The sensitivity analysis performed indicates that the LNG price has a marginal effect on the derived gas transfer price. This effect of increasing LNG prices operates through the netback equation, via an increase in the netback price. The range of rents attributable to the project will widen as a result. If a 50%-50% apportionment factor is used under the residual profits method any increase in the gas transfer price will be proportionally less. The graph below illustrates this point. The same reasoning will apply in relation to shifts in the X factor ie the denominator will increase more significantly than the numerator. 

Figure 8
Sensitivity to LNG prices
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A more sensitive parameter on the X factor and gas transfer price are capital costs. The diagram below illustrates the effect on the X factor by varying capital costs per tonne on one phase (upstream or downstream) keeping the other phase at a constant $20/tonne. Thus an increase in upstream capital expenditure, holding downstream capital expenditure constant will result in an increase in the X factor, as the cost plus price shifts upwards and the netback price remains constant. However an increase in downstream capital expenditure will result in a fall of the gas transfer price and X factor (upstream capital expenditure and LNG price held constant) as the netback price falls.

This analysis is based on the 50%-50% rent splitting method, use of another rent apportionment method will affect the trend and magnitude of movements in the X factor to shifts in capital expenditure. It should be noted that the same results and trends in the X factors are applicable to operating costs (in this model operating expenditure is driven by capital expenditure, as is production volumes).
Figure 9
X-Factor Sensitivity to the Capex
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The model results are not very sensitive to changes in the WACC rate. This is clearly a function of the same WACC rate being used for both upstream (in the cost plus equation) and downstream processes (in netback). Nominally the both netback and cost plus prices will move upwards or downwards in proportion. 

However in real terms the model’s derived gas transfer price and X factor is unaffected by changes in  the WACC rate. The rent differential importantly is still preserved regardless of changes to this rate.

Appendix: Weighted Average Cost of Capital

Introduction

The use of a Weighted Average Cost of Capital (WACC) rate is central to the gas transfer pricing methodology we have adopted.  By using a WACC rate as the rate of return on capital in LNG projects we partially eliminate the subjectivity involved in estimating a fair return on capital because the rate used references external market data. Essentially the required rate of return is a market determined rate set by capital markets. 

Secondly, use of the WACC conceptually distinguishes between the normal required rate of return of a project from the concept of rents in an LNG project which is not estimated or captured by the pure WACC rate. As these rents are not explicitly determined, the implicit logic is that the true rents lie in between the gas transfer prices derived from using the market rate of return.

The use of the WACC concept as a benchmark fair rate of return necessary to attract capital, means this rate is an ex ante concept and should accordingly be used in conjunction with future cash flows and future earnings streams.

Finance and Asset Risk

A common source of confusion with risk in finance is where to account for it: in the discount rate or the cash flow? Essentially the question is one of whether the risk is an asset risk or a finance risk. Usually only finance risk should be included in the cost of capital, as cashflow usually accommodates asset risk factors. 

Asset risk can be accounted for in the discount rate as long as it is understood that this discount rate has a special component for this asset risk and cannot be used for other purposes without prior adjustment. The adoption of a project specific netback and cost plus calculation should include an asset risk factor in its discount rate only if particular asset risks are not adequately reflected in its forecasted cashflow. 

While rents may be associated with these asset risks, allowing for rents in the WACC rate would require a further subjective adjustment to the market determined rate of return. The  transfer pricing methodology described in this report avoids this explicit pre-determination of rents to upstream and downstream LNG processes.

Marginal or Average Cost of Capital

The critical assumption in a weighted average cost of capital calculation based on weighting the cost of equity and debt by the appropriate capital structure is that the company will in fact raise new capital in the proportions specified. However, firms particularly in a long term joint venture/consortium arrangement raise capital marginally to make a marginal investment. Theoretically, for the weighted average cost of capital to be a fair alternative to the marginal costs, the capital structure weights employed must be marginal.  That is, they must correspond to the proportions of financing the firm intends to employ.

Recognition of the lumpy nature of capital raising usually means that strict marginal proportions cannot be maintained. It is generally recognised that under market forces, the current capital should not deviate significantly from the long-run optimal capital structure. This justifies using current proportional weights (based on the proposed funding of the specific project) as the basis for an ex ante cost capital parameter.

Firm vs Project Specific

Most of the LNG projects are undertaken by large multi-product companies with investments of varying risk. Use of an overall firm’s weighted average cost of capital is inappropriate if risk in the LNG project or division is not typical of the risk of parent/s or total company. These multi-product companies would probably be divisionalised, and each division would have a different systematic risk associated with it and different beta coefficients. 

For the purposes of deriving an LNG transfer price it would be necessary to use the required rate of return for the specific investment proposal so that the beta coefficient in the estimate of the cost of capital can be tailored to the specific risk of the division’s operations and the specific risk of the proposal. A project by project assessment of whether the company WACC rate or an adjusted company WACC as a proxy rate for an LNG project is needed. This is clearly an issue when there are risk differentials between pure exploration and oil/gas production businesses.

For the purposes of this study an industry benchmarked WACC has been used. While LNG projects will differ somewhat in risk characteristics, it is anticipated that it is possible to derive a sensible LNG project WACC, given the underlying fundamentals of these projects are broadly the same.

WACC Formula

There are varying formulation of the WACC calculation  depending on the cashflows to which they are applied. The equation below relates to a pre-tax WACC rate:


WACC pre tax =
Re/(1-t) * (E/E+D) + Rd * (D/E+D)    

where:  
Re = returns to equity post tax  Rd = returns to debt



E = market value of equity in company



D = market value of debt in company



t = company tax rate

Each of these components is considered in turn.
Returns to Equity


Traditionally, calculating the cost of ordinary equity capital of a company has been very subjective. This is because equities in oil and gas companies do not always have a quoted yield in the market place or have a promised stream of investment income. Three techniques are commonly used in estimating the cost of equity with varying degrees of accuracy, they are the:

· constant dividend model;

· Gordon’s dividend growth  model; and

· capital asset pricing model.

The most appropriate approach in this case is the capital asset pricing model, given the difficulties associated with assumptions about dividend policy in the first two methodologies. 

Estimates of the returns to equity can be obtained via a Capital Asset Pricing Model (CAPM) is specified as: 

Re = Rf + B[E(Rm) - Rf]


where: 

Re = expected returns to equity   Rf = risk-free rate

B = beta of the stock,  E(Rm) = expected returns on a 







        market portfolio 

Use of this model is premised on two key assumptions, firstly that investors are risk averse and secondly that capital markets are efficient and made up of well diversified investors. 

Thus the model can conceptually be expressed as:

Return on Equity = Risk free rate + (Risk Premium *  Relative risk)

The capital asset pricing model (CAPM) relates to a single period, if CAPM is to estimate the cost of capital for investment in an LNG project, the parameters should reflect the life of the LNG project. If we cannot assume that the project betas, market risk premium and risk free rate as constant over the life of the project  a periodic review of these parameters would be necessary. While there is an inconsistency in applying CAPM as a multi-period model for capital budgeting purposes, it maybe argued that it is appropriate for regulatory rate determinations.

The risk free rate (pre-tax) is the total rate of return expected on a riskless asset. This rate is readily available from the market, a default risk free bond of equivalent duration to the investment under consideration would be appropriate. No such bond exists in Australia. An estimate of the rate of return on a long-term Commonwealth Government Bond and a premium to reflect the life of the asset extends beyond the term of the bond is appropriate and consistent with international regulatory practise. 

The risk premium is the additional average return that shareholders would typically seek from an investment that has the same risk from an investment as the stock market index of all securities. A market risk premium of 6.0% to 7.0% has been estimated on the basis of recent studies into the Australian equity market. Generally industry practitioners accept this historical determination of the risk premium as a good approximation of a forward looking parameter.

The difficulty of estimating the equity beta of an LNG project is due to the limited number of stocks with the same business profile (risk class) as the project.  Despite this limitation a reasonable proxy can be sourced from available market data for more specialised activities such as LNG liquefaction, and shipping by meeting on appropriate adjustment to a firm’s beta. In theory, as separate downstream processes exist, it would not be unusual if different risk classes existed for each activity, necessitating separate WACC calculations. However derivation of an integrated cost of capital rate for all downstream activities may be feasible depending on the availability of market derived benchmark data and the context of the project. Ideally the industry average beta used should be calculated from an Australian company or adjusted accordingly if sourced internationally.

As the residual price method recognises the integrated nature of the risk-reward relationship between upstream and downstream LNG processes, it is feasible to use an integrated project WACC. Clearly this single rate of return can be applied equally to both upstream and downstream costs, thus the netback and cost plus equations will utilise the same WACC rate.

The effects of dividend imputation is also usually allowed for in WACC calculations. As the size and significance of dividend imputation varies between companies, it would unnecessarily complicate our discussions at this stage to include a franking credit utilisation rate in our industry average WACC formula. The inclusion of a gamma estimate would have to be considered by project or company if an adjusted industry WACC is deemed to be more appropriate as a rate of return.

Returns to debt

The cost of debt (Rd) can be normally observed in debt markets, this is simply the interest rate that the firm must pay on new borrowings. Usually all corporate debt has some premium over the risk free rate.

The argument that the debt beta is zero because default risk is diversifiable is unconvincing and clearly at odds with reality.

The gearing levels to apply in the WACC calculations should ideally be long term estimates. To this end an estimated industry average gearing level is  an appropriate benchmark which individual projects debt-equity ratios should reference. Furthermore, use of an industry average gearing ratio may overcome problems associated with a firm’s total capital structure not reflecting the structure appropriate to an LNG project. 

In the case of joint venture ownership of a project the consolidated capital structure of the parties involved can reasonably be used and weighted in accordance to their respective financial contributions. In this instance the argument for taking a consolidated capital structure viewpoint is the recognition that the joint venture parties are the ultimate source of finance for an LNG project and clearly the only source of any external equity financing.

Clearly the presence of project specific financing may complicate the situation, indicating that a project by project basis evaluation of gearing ratio may be warranted. Finally, debt and equity levels should be assessed at market not book values.

Summary

The advantage of using a WACC methodology in an assessment of a capital allowance rate is that the efficiency and information flows of capital markets are being relied upon
. This takes away an element of arbitrariness to the determination of a rate of return. Any downstream or upstream rents are not included in the WACC rate but inferred from the range of gas transfer prices obtained. The fair rate of return to LNG projects is explicitly benchmarked against projects of similar risk classes at the corresponding market rate of return, hence no rent assumption is necessary in this process.

Appendix:
Cost of Capital for an Integrated LNG 



Project

Background

This analysis calculates the cost of capital for a hypothetical integrated LNG processing facility located in Australian.

To achieve this calculation proxy companies were chosen and their financial data used to calculate the cost of equity using the Capital Asset Pricing Model (“CAPM”) . The cost of equity was then adjusted for the expected Australian inflation to give the “real” cost of equity.  Also calculated is the arithmetic average of the proxies’ debt-to-value ratios and the marginal cost of debt. These factors were then used to calculate the cost of capital for the hypothetical facility using the Weighted Average Cost of Capital (“WACC”) method on a before-corporate tax basis.

Proxy Companies

Recognising the lack of comparable Australian entities, a search was undertaken for overseas-based proxy companies. Entities examined similar to the LNG project in terms of functionality, asset structure and risk class. In addition to the following search criterion, companies who are known “players” were included in the field. The proxies chosen have worldwide operations and sales, and are able to access resources and financing in markets on a global scale.

Comparable companies were identified by searching the Bloomberg database for the following keywords under Company Description:

· liquid + natural + gas;

· LNG;

· petrochemical; and

· refining.

The companies located by this search were then reviewed. Those whose activities were not comparable to this project and/or lacked sufficient data were rejected.  Also eliminated was any company with a market capitalisation of less than $1 billion.

The companies were categorised into their major activities.  Note that, although categorised for the purposes of this analysis,  they are all involved in integrated petroleum operations, particularly the exploration and production of petroleum products.

A brief description of each company used in this analysis is included at end of this appendix.

Note that for information and comparison purposes we have provided data for a range of companies involved in marketing, construction and pure pipeline functions.  We have not, however, included these companies in the WACC  calculation.  Note also that due to the scope of this study the WACC estimate provided would only be considered preliminary or indicative.  For example, some significant LNG companies such as Shell, Total, BP and Lasmo have not been included.  As such when an LNG project is commissioned it would be appropriate to undertake a complete WACC benchmaking study.

Elements Of The WACC For Proxy Companies

WACC, on a before-corporate tax basis,  is calculated as follows:

WACC 
= 
E . Re .    1        +  
 D . Rd

     



         V          (1-t)
     

V

where:


E  

value of equity


D  

value of debt


V   

 E + D


Rd  

cost of debt


Re   

cost of equity, on an after-corporate-tax basis


t

tax rate, Australian rate of 36%

Although Australia, United Kingdom and Spain employ the Dividend Imputation Taxation system, no adjustment is made to reflect the impact this may have on the results. The reasons for this are twofold. Firstly, these countries have varying degrees of imputation and, secondly, the majority of the proxies are based in the United States and the US uses the Classical Taxation system. However, if one was to make such an adjustment, they would multiply the cost of debt (Rd) by  (1 - (1 - () t), where ( represents the proportion of company tax paid out as franked dividends and utilised as tax credits. Another point to note is that ( varies across companies and across time. The likely range for ( is between 30 and 70%. Under the Classical system, ( is zero. 

Value of Equity

The value of the equity of a company is given by its market capitalisation as at 31 December 1997. This is calculated as the number of share issued multiplied by the share price at that date.

Value of Debt

The value of a company’s debt is given by the sum of its short- and long- term borrowings as per the 1997 Balance Sheet, on the assumption that the book value per the accounts approximates the market value.

Cost of Debt

It might be expected that  this industry would have a higher proportion of debt financing than that recorded in the proxy’s balance sheets. This, together with the variation between the proxies’ Debt/Value ratios, implies that there may be some degree of off-balance sheet financing. This is likely to be in the downstream processes rather than in the actual exploration stage given that these returns are too uncertain.  Any off-balance sheet financing distorts the capital structure of the company as reflected by the balance sheet.

It is impossible to set a benchmark WACC which adequately reflects the variety in capital structures in these companies.  The assumption is made that the mix is the desired long-term mix of the project, even though this may create a bias in the results.

It is possible to use the implied cost of debt, calculated from the balance sheet as interest paid divided by the sum of short  and long term borrowings, but this is too misleading. Debt should be valued at the margin, ie at the current cost of debt, because this is what the company would have to pay to obtain debt financing today. The cost of debt has been assumed to be the risk-free rate plus 100 basis points based on an assessment of industry global access to debt financing.

Cost of Equity

The Capital Asset Pricing Model was used to compute the cost of equity capital. This method is widely used to estimate required rates of return on equity. It assumes that the cost of equity is a factor of a risk free rate of return, plus a premium to account for the anticipated business or market risk of a particular company or project.

The CAPM is calculated as:


Re
= 
Rf 
+ 
(Rm - Rf) (
where:


Rf

risk-free rate of interest


(Rm - Rf)
market risk premium


(

the assumed beta coefficient for the company

The real cost of equity, as opposed to the nominal, needs to be used. Hence, the result of the CAPM calculation needs to be adjusted for inflation using the Fisher Effect:

(1 + R) = (1 + r) x (1 + h)

where:


R

nominal rate


r

real rate


h

inflation rate, assumed to be 2.7%

The inflation rate used to adjust the nominal rate is the expected Australian inflation rate as implied by the current yields on Australian bonds. Australian expected inflation and debt rates are used in this analysis because the hypothetical facility is located within Australian jurisdiction.

Risk-free Rate of Interest

The risk-free rate of interest utilised in the CAPM model is based upon the yield of a 10-year Commonwealth Government Bond as at 31 December 1997, as published by the Reserve Bank of Australia. The risk-free rate used in this analysis is 6.75%.

At first glance it may seem appropriate to use an average of the long term bond rate over a period as the risk free rate.  However, the long term bond rate is a non-stationary variable in that an analysis will show that it follows a random walk.  As such the “best” estimate of the future bond rate is the bond rate today.

Market Risk Premium

The market risk premium represents the long-term average return on the average market basket of equities over the risk-free rate. They have been estimated based on studies into the various international equity markets. The values used in this analysis have been based on the relevant markets. For example, the rate used in Australia is 6.5% and in the US is 6.5%.

Beta Coefficient

The beta coefficients represent the relative degree of risk for an entity compared to the market as a whole. The market average is 1.0 thus a beta coefficient of more than 1.0 means the entity is more risky than the market.

The beta obtained from Bloombergs is a “geared” beta. This means that the proxies’ returns used in estimating the beta reflect both debt and equity. Ideally, the proxy beta factors used should be readjusted to reflect the long term desired, or optimal, capital structure of the hypothetical facility. This is normally conducted by calculating the relevant “ungeared beta” of the proxy and then readjusting it to reflect a regearing of the hypothetical facility’s capital structure.

For the purpose of this analysis an ungeared beta has not been derived. Based on experience, the marginal accuracy gained by conducting this adjustment may provide an impression of “spurious” precision in the estimates not warranted for the purposes of this analysis. The sensitivity analysis conducted below is such that it will capture the effect of adopting as the return basis, proxy betas which reflect, on average, industry gearing ratios.

	
	BETA
	DEBT VALUE
	COST OF EQUITY
	COST OF EQUITY
	COST OF EQUITY

	
	
	
	(nominal before tax)
	(expected before tax)
	(expected after tax)

	LNG potential
	
	
	
	
	

	CHEVRON CORP US
	         1.01 
	11%
	12%
	21%
	13%

	TEXACO INC
	         0.83 
	18%
	11%
	19%
	12%

	MOBIL CORP
	         0.98 
	11%
	12%
	20%
	13%

	WOODSIDE PETROLEUM
	         0.91 
	13%
	11%
	22%
	14%

	BHP
	0.88
	23%
	11%
	22%
	14%

	PHILLIPS PETROLEUM COMPANY
	1.01
	19%
	12%
	21%
	13%

	EXXON CORP
	1.06
	8%
	12%
	21%
	14%

	BG PLC
	0.82
	30%
	10%
	14%
	9%

	
	
	
	
	
	

	Average
	         0.94 
	16%
	11%
	20%
	13%

	
	
	
	
	
	

	Gas to liquids / derivatives
	
	
	
	

	DU PONT DE NEMOURS
	         1.14 
	15%
	13%
	22%
	14%

	USX MARATHON GROUP
	         0.90 
	24%
	11%
	20%
	13%

	YPF SOCIEDAD ANONMIA
	         1.09 
	23%
	12%
	21%
	14%

	COASTAL CORP
	         1.03 
	37%
	12%
	21%
	13%

	REPSOL 
	         0.87 
	27%
	11%
	19%
	12%

	
	
	
	
	
	

	Average
	         1.01 
	25%
	12%
	21%
	13%

	
	
	
	
	
	

	Pipeline
	
	
	
	
	

	ENRON CORP
	         0.76 
	23%
	10%
	18%
	12%

	
	
	
	
	
	

	Marketing of LNG
	
	
	
	
	

	CABOT CORP
	0.68
	25%
	10%
	18%
	11%

	DEVON ENERGY CORP
	         0.74 
	0%
	10%
	18%
	12%

	
	
	
	
	
	

	Average
	         0.71 
	12%
	10%
	18%
	11%

	
	
	
	
	
	

	Petrochemical
	
	
	
	
	

	LYONDELL PETROCHEMICAL
	         0.83 
	17%
	11%
	19%
	12%

	SASOY LTD
	         1.11 
	6%
	12%
	15%
	10%

	
	
	
	
	
	

	Average
	         0.97 
	12%
	12%
	17%
	11%

	
	
	
	
	
	

	Construction / services
	
	
	
	

	BOUYGUES OFFSHORE
	0.82
	33%
	11%
	20%
	13%

	
	
	
	
	
	

	Average All
	         0.87 
	20%
	11%
	19%
	12%


WACC

The Weighted Average Cost of Capital for the hypothetical integrated LNG processing facility is calculated as follows:

On an before-corporate tax basis

	
	Debt 

Value
	Cost Of Debt (before tax)
	Expected Cost Of Equity

 (before tax)
	WACC

(before tax)

	Average
	20%
	8.65%
	19%
	17.5%

	25th percentile
	20%
	8.65%
	18%
	17%

	50th percentile
	20%
	8.65%
	20%
	18%

	75th percentile
	20%
	8.65%
	21%
	19%


On an after-corporate tax basis

	
	Debt 

Value
	Cost of Debt (after tax)
	Expected Cost of Equity 

(after tax)
	WACC 

(after tax)

	Average
	20%
	5.53%
	12%
	11%

	25th percentile
	20%
	5.53%
	12%
	11%

	50th percentile
	20%
	5.53%
	13%
	11%

	75th percentile
	20%
	5.53%
	13%
	12%


Proxy Companies 1 

 Chevron Corporation

Market Cap:
$56.21m

Chevron Corporation explores, develops, produces and refines crude oil and natural gas and transports crude oil, natural gas and petroleum products by pipelines, marine vessels, rail car and motor equipment. Chemical operations include the production and marketing of chemicals for industrial use. The company also mines and markets coal and invests in an develops properties.

Texaco Inc

Market Cap: $33.28m

Texaco and its subsidiaries are concerned with the worldwide exploration and production, transportation, refining and marketing of crude oil, natural gas and petroleum products. The company’s non-petroleum operations include insurance, alternative energy and real estate.

Mobil Corporation

Market Cap: $56.55b

Mobil, through its subsidiaries, operates in worldwide energy industries. It manufactures and markets petrochemicals, packaging films and specialty chemical products.

Woodside Petroleum Limited

Market Cap: $4.20b

Woodside explores for and produces oil and gas onshore and offshore in the Northwest shelf of Western Australia and various other locations.

Broken Hill Proprietary Company

Market Cap: $37.49b

BHP is an Australian-based international resources company involved in steel production, minerals exploration and production and petroleum exploration, production and refining.

Phillips Petroleum Company

Market Cap: $12.85b

This company locates and develops natural resources and transforms them into fuels and chemicals. It explores for and produces crude oil, natural gas liquids and natural gas; processes natural gas; acquires, processes, transports and markets crude oil products; processes and sells natural gas liquids for use in the production of petrochemicals and petroleum products.

Exxon Corporation

Market Cap: $na (December 1996 $121.73b)

Exxon explores for and produces crude oil and natural gas; manufactures petroleum products; and transports and sells crude oil, natural gas and petroleum products. They also manufacture and market basic petrochemicals including olefines and aromatics, as well as supplies specialty rubbers and additives for fuels and lubricants.

BG Plc

Market Cap: $21.55b

BG transports and stores gas in the UK, and operates an exploration and production business; an international downstream business, including gas transportation, distribution and storage, power generation and third party pipeline inspection; and research and property business. BG also develops gas infrastructures, and invests in transmission and storage facilities, LNG plants and power projects. They run a fleet of 3 LNG ships which carry gas to Spain, and invest in power generation projects both in the UK and overseas.

Du Pont de Nemours

Market Cap: $85.56b

Du Pont is the largest chemical company in the world. Its petroleum operations are carried out by wholly owned Conono, Inc. which develops and produces crude oil and natural gas, processes natural gas to recover higher-value liquids, refines crude oil and other feedstocks into petroleum products, and distributes and markets high-quality fuels, motor oils and other products.

USX Marathon Group

Market Cap: $10.63b

This group is involved in worldwide exploration, production, transportation and marketing of crude oil and natural gas. They market and transport domestic refining and petroleum products including natural gas and liquid hydrocarbons.

YPF Sociedad Anonmia

Market Cap: $12.31b

YPF explores, develops and produces oil and natural gas and refines, markets, transports and distributes oil and a broad range of petroleum products, petroleum derivatives, petrochemicals and liquid petroleum gas.

Coastal Corporation

Market Cap: $7.078b

This is a diversified energy holding company with subsidiary’s involved in natural gas gathering, transmitting and storage, refining, marketing and distribution of petroleum products; gas and oil exploration and production; coal mining and independent power production.

Repsol

Market Cap: $16.59b

REPSOL is involve in a variety of exploration and petroleum production activities. They explore and produce crude oil and natural gas; transport petroleum products, liquefied petroleum gas and natural gas. 

Enron Corporation

Market Cap: $16.28b

Enron is an integrated natural gas company which is engaged in the gathering, transportation and wholesale marketing of natural gas throughout the US and internationally through 44,000 miles of natural gas pipeline. They are also involved in oil and gas exploration, liquid products extraction, marketing and transportation.

Cabot Corporation

Market Cap: $2.42b

Cabot Corp has businesses in speciality chemicals and materials and in energy. The company and its affiliates have manufacturing facilities in the US and more than 20 other countries. Cabot’s energy is operated through wholly owned Cabot LNG Corporation who purchases LNG liquefied natural gas from foreign suppliers, and stores and resells it in both vapour and liquid form in the Northeast US. The company markets liquefied natural gas to local gas distribution companies, natural gas marketers and electric generators.

Devon Energy Corporation

Market Cap: $1.28b

Devon undertakes oil and gas exploration, development and production and acquisition of producing properties. The company owns interests in 1,700 oil and gas properties. Customers of the company include refiners, remarketers and other companies, which pipeline facilities near the producing properties.

Lyondell Petrochemical

Market Cap: $2.74b

Lyondell is a manufacturer of petrochemicals and refined petroleum products. Their products are primarily basic chemicals or refined products that are used to produce a multitude of consumer goods. They hold 90% interest in Lyondell-Citgo Refining Co Inc which operates one of the nation’s largest refineries to convert crude oil into gasline, heating oil, jet fuel and other refined products.

Sasoy Limited

Market Cap: $6.09b

Sasoy produces and markets products derived from coal and crude oil. Principal operations include the conversion of coal into liquid fuels, pipeline gas, petrochemicals and intermediates. Sasoy also has a complete range of fertilisers, chemicals, mining explosives and other petrochemical products.

Bouygues Offshore SA

Market Cap: $773m

Bouygues provides integrated solutions for the design, construction, installation and management of offshore oil and gas production-related turnkey projects; engages in high-end maritime and river related civil works projects; and designs and constructs liquid natural has import terminals. The company is one of the world’s five largest builders of oil and gas platforms and structures. Oil and gas contracting businesses mainly encompass the design, procurement, construction, installation and commissioning of offshore platforms, floating structures, and the laying of pipelines and underwater infrastructure networks.

� Usually these LNG prices are benchmarked to the price of oil or major energy substitutes.


� The volumes and years chosen for this project are based on our survey of current and proposed LNG projects both domestically and internationally: Van Meurs (1997) “ Suggestions for new terms for the Alaska North Slope LNG Project”, Andersen, et al. (1997) “Development Patterns for LNG Supply and Demand”, Toichi, T (1994) “ LNG Development at a turning point and policy issues for Japan”, Energy in Japan, No.126. 











� Tex Report, Van Meurs (1997)


� Van Meurs (1997), discussions with industry participants


� The use of a LTBR + uplift factor rate as a proxy for the WACC rate is inconsistent with the general methodology outlined in this section. The WACC rate relies on fairly specific duration, gearing ratio and risk assumptions which the more simplistic risk free rate + premium does not explicitly take into consideration.








1 Note that SHELL has not been incorporated in the analysis at present due to data availability.  Given its presence in the LNG market it would serve as a useful proxy in future analysis.
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